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Abstract 
In this work we conducted 1-D and 2-D simulations of CO2 flow and transport aimed at improving our fundamental 
understanding of processes associated with potential CO2 leakage into shallow aquifers resulting from carbon sequestration 
operations. In the 1-D simulations we optimized capillary pressure parameters and conducted sensitivity analysis to investigate 
the size of CO2 gas accumulation zones as the permeability in heterogeneous layers decreased. Our results indicate that 
accumulation zones do not necessarily increase as permeability decreases, and differences between capillary pressures for each 
layer play an important role. In the 2-D simulations we investigated the role of horizontal background flow, and its magnitude, on 
the formation of CO2 gas in the system. We showed that the formation of CO2 gas in the 2-D tank can be predicted with a simple 
1-D expression when the horizontal background flow is not dominating the flow field near the leak. In addition, we showed that 
the location of the heterogeneous layer relative to the leak can have profound effects on the size and shape of the CO2 gas plume. 
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1. Introduction 
Carbon Capture, Utilization, and Storage (CCUS) is a promising technology aimed at significantly reducing 
atmospheric carbon emissions [1]. One component of the technology involves the storage of CO2 in deep geologic 
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formations, resulting in large CO2 plumes (easily spanning areas of 100 km2 or more) and displacing large quantities 
of brine (some of which is CO2-saturated). The possibility for leakage of injected CO2 or displaced brine into 
shallow aquifers or release of CO2 back into the atmosphere is a concern that must be addressed. Moreover, 
predicting the long term fate and transport of the injected CO2 and displaced fluids, as well as, understanding and 
mitigating all associated risks remains a major engineering challenge. 
Here, we consider CO2 gas evolution in shallow aquifers resulting from the exsolution of dissolved CO2 contained 
within displaced brine. These processes are complex and span multiple spatial and time scales. Initially, dissolved 
CO2, contained within displaced brine, migrates through the aquifer where it will exsolve out of solution due, in part, 
to decreases in pore pressure. Exsolved CO2 gas initially forms as bubbles within the pore space, then the exsolved 
bubbles coalesce to form trapped CO2 blobs or mobile (free phase) gas, resulting in a two-phase flow system. In 
order to reduce the negative effects of CO2 exsolution, it is important to fully understand each of the processes 
controlling the formation and movement of CO2 gas, as well as the effects of aquifer heterogeneity on the long-term 
fate and transport of CO2 gas. This requires robust numerical simulators that can capture the processes that affect 
aquifer-scale observables over time scales that span multiple decades. 
Accordingly, this study focuses on numerical simulations that characterize the long-term fate and transport of 
CO2 free phase gas in heterogeneous porous media. We are especially interested in characterizing accumulation 
zones that form at heterogeneous interfaces where a fine layer is located above a coarse material. In this work, we 
use the multiphase flow simulator, FEHM (https://fehm.lanl.gov), developed at Los Alamos National Laboratory, 
and note that several simulators (e.g., see Class et al. [2]) with similar capabilities are available. Previously, Porter et 
al. [3] benchmarked FEHM using intermediate-scale, 1-D column experiments of CO2 gas evolution in 
homogeneous and heterogeneous sand configurations conducted by Plampin et al. [4, 5]. Porter et al. [3] 
demonstrated that the FEHM parameters controlling CO2 gas formation and flow could be optimized to capture the 
steady-state saturation profiles observed in the experiments; providing confidence that FEHM adequately represents 
the underlying physical processes associated with CO2 exsolution. Moreover, it was shown that FEHM accurately 
captured observed CO2 gas accumulation and consistently predicted zones that only extended 0.15 m below the 
interface separating the two sands. These zones are extremely localized regions and would be difficult to identify in 
natural aquifer settings. Although the experiments conducted by Plampin et al. [4, 5] are vitally important for 
benchmarking numerical simulators, the permeability of the finest sand used in the experiments was approximately 
one order of magnitude larger than those measured in typical shallow aquifer systems. Thus, there is a need to 
further investigate the long-term fate and transport of CO2 gas resulting from exsolution in heterogeneous porous 
media with permeabilities that are similar to those measured in the field. 
The objectives of this work are twofold. First, we extend the 1-D simulations from Porter et al. [3] to 
permeabilities that are consistent with those encountered in shallow aquifers. We hypothesize that the extent of the 
CO2 gas accumulation zones should increase as the permeability decreases in the fine layer. We expect that the 
model parameters controlling capillarity will greatly impact the size of the accumulation zones, thus we perform 
sensitivity analysis on parameters in the capillary pressure – saturation relationship. Secondly, we conduct 2-D 
simulations of CO2 gas evolution in an intermediate-scale tank. In these simulations a horizontal background flow is 
included to represent flow in shallow aquifers. We have chosen to focus on a relatively simple 2-D system and 
perform sensitivity analysis in order to aid in the design of 2-D tank experiments. Thus, we conduct one set of tank 
simulations with no background flow and two sets of simulations with two different pressure gradients imposed to 
establish flow. Each set of simulations involves a homogeneous and heterogeneous sand configuration and we 
compare the difference between the CO2 gas plumes. 
2. Methods 
The simulations for this study were conducted using FEHM (Finite Element Heat and Mass Transfer), a 
continuum-scale multiphase and multicomponent flow simulator for applications within porous media [6]. The code 
is based on a control volume finite element discretization approach with the flexibility to use unstructured grids. A 
Newton-Raphson iteration scheme is used in which the discretized balance equations are solved using pre-
conditioned Krylov space solvers with generalized minimal residual (GMRES) or biconjugate gradient stabilized 
(BCGSTAB) acceleration. FEHM has been used extensively for several applications including those addressing CO2 
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sequestration [e.g., 7] and CO2-Brine leakage in shallow aquifers [e.g., 8, 9]. The solubility of CO2 is calculated 
using the formulation of Duan and Sun [10], which takes into account variations in pressure, temperature, and salt 
concentration. We note that salt concentration is not considered in this work.  
2.1. 1-D Column Simulations 
The experiments [4, 5], upon which the simulations are based, consisted of sands packed in a 0.06 m x 1.68 m 
cylindrical column equipped with a variable height water reservoir to control the hydrostatic pressure at the injection 
port (hereafter, referred to as the injection pressure, ௜ܲ௡௝). The experimental system is illustrated in Figure 1. Five 
water saturation, ܵ௪, sensors were packed into the sands. Due to the relatively small size (compared to a natural 
aquifer) and the 1-D nature of the experiments, we chose to focus on the steady-state saturation profiles as a metric 
for the long-term fate and transport of CO2 within this system, and note that steady-state was reached in 40 hours or 
less in the experiments. An initial simulation was conducted to establish hydrostatic pressure conditions (gravity 
equilibrium) within the column. Then, CO2-saturated water, with a specified saturation pressure, ௦ܲ௔௧ , was injected 
into the bottom of the simulation domain at a flow rate of 4 ml/min. The outlet boundary of the simulation was set to 
a constant pressure consistent with the hydrostatic pressure imposed by the variable height water reservoir. We used 
the Corey [11] and Brooks-Corey [12] relative permeability relationships for water and CO2 gas, respectively, and 
the Van Genuchten [13] relationship for capillary pressure. Parameters for these relationships were optimized to fit 
the steady-state saturation profiles using PEST (http://www.pesthomepage.org). These included the residual wetting 
phase saturation, ܵ௪௥ , the critical gas saturation, ௚ܵ௥ , the pore-size  distribution parameter, ߣ, in the Brooks-Corey 
relative permeability equation, and the two parameters, ߙ (the inverse of the entry pressure) and ݊ (the pore-size 
distribution), in the Van Genuchten capillary pressure – saturation relationship. Initial parameter values were taken 
from existing air-water multiphase flow data [4, and reference therein]. The properties of the two sands and best-fit 
model parameters are listed in Table 1. A comparison between the experiments [5] and simulations [3] is shown in 
Figure 2, which clearly demonstrates that FEHM is capable of capturing the observed saturation profiles, including 
the gas accumulation zone near the interface separating the two sands. 
  
 
Fig. 1. Illustration of the sand configuration within the column (adapted from Plampin et al. [5]). 
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     Table 1. Sand properties and model parameters. 
Sand Porosity Permeability (m2) Swr Sgr Ȝ Į (1/m) n 
Coarse 0.32 3.8e-10 0.25 0.22 4.28 14.3 1.82 
Fine 0.34 3.0e-11 0.32 0.18 4.09 3.62 3.3 
 
 
Fig. 2. Comparison between experimental saturation profiles and FEHM simulations. In both cases ௦ܲ௔௧ = 21 kPa, whereas ௜ܲ௡௝ = 17.1 kPa (left) 
and ௜ܲ௡௝ = 22.9  kPa (right). The dotted line represents the location of the coarse-fine sand interface.  
2.2. 2-D Tank Simulations 
The 2-D tank is designed to extend our 1-D findings to a flow scenario that is consistent with shallow aquifers, 
yet maintain simplicity and tractability such that experiments can be conducted in a timely manner. An illustration of 
the 2-D tank is provided in Figure 3. We first compare CO2 gas accumulation between a homogenous and 
heterogeneous sand configuration in the absence of a horizontal background flow. For these simulations we set 
௦ܲ௔௧ = 10 kPa to ensure that CO2 will exsolve out of solution in the coarse sand. Here we are interested in the depth 
at which CO2 gas forms. Porter et al. [3] developed an expression that predicts the critical pressure, ௖ܲ௥ , above which 
CO2 gas can exsolve out of solution, which is expressed as 
eff
p
satcr k
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)( 
 
P
 (1) 
where ߤ is the fluid viscosity, ݍ is the Darcy flux of the injected CO2-saturated water, ܮ is the depth of tank, ݖ௣ is the 
depth to the top of the porous medium (in this case ݖ௣ = 0), and ݇௘௙௙  is the effective permeability.  For the tank 
considered here (when there is no horizontal background flow) ݇௘௙௙  is defined by the harmonic average, but could 
be defined as the arithmetic or geometric average for other sand configurations or flow scenarios. In these 
simulations we inject CO2-saturated water into the middle of tank at a volumetric flow rate of 20 ml/min and test 
whether or not Eq. (1) adequately predicts the location of CO2 gas formation estimated by the FEHM simulations.  In 
addition, we conduct simulations in which we apply a pressure gradient from the left inflow boundary to the right 
outflow boundary of 7.5e-5 and 1.5e-4 MPa, which is consistent with a Darcy flux of  ݍ = 0.5 and  ݍ = 1 m/day, 
respectively, for porous media with a permeability of ݇ = 3.8݁ିଵ଴  m2. Due to the presence of the horizontal 
background flow, we increased the injection rate of the CO2-saturated water to 100 ml/min and moved the injection 
well closer to the inlet flow boundary. We conducted simulations in homogeneous and heterogeneous sand 
configurations using the sand properties in Table 1. 
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Fig. 3. Illustration of the large tank experimental system upon which the 2_D simulations in this work are based. 
3. Results &Discussion 
3.1. 1-D Column Simulations 
As discussed in Section 2.1 the simulations presented here were designed to investigate how decreases in 
permeability affect the size of the accumulation zone within a 1-D column (see Figure 2). In our first set of simulations 
we systematically decreased the permeability of the coarse and fine sands, ݇௖ and ݇௙, respectively, while keeping all 
other properties the same. The cases considered are listed in Table 2 and Figure 4 shows the saturation and capillary 
pressure profiles within the column for all simulations. It can be seen that the size of the CO2 gas accumulation zone is 
directly related to the capillary pressure in the coarse sand layer. The simulations with a gradual increase in capillary 
pressure as function of depth accumulate more CO2 gas than those with the sharp increase in capillary pressure. This is 
expected since a gradual increase in capillary pressure implies that more CO2 gas has to accumulate to overcome the 
entry pressure in the fine layer, which is the same for all simulations in Figure 4. 
Table 2. Permeabilities of each layer for the 1-D column simulations. 
 Base Case Case #1 Case #2 Case #3 Case #4 Case #5 
݇௖ (m2) 3.8e-10 3.8e-10 3.8e-10 3.0e-11 3.0e-11 1.0e-12 
݇௙ (m2) 3.0e-11 1.0e-12 1.0e-10 1.0e-12 1.0e-13 1.0e-13 
 
Although, the simulations in Figure 4 provide some insights into CO2 gas accumulation at heterogeneous interfaces, 
they do not sufficiently represent the capillary forces in the lower permeability media since all of the capillary pressure 
– saturation relationship parameters are the same. In order to better represent the capillary forces in the lower 
permeability media (without direct measurements), we optimized the Van Genuchten parameters to the Base Case 
simulation in Figure 2 for each of the new permeability values considered. See Table 3 for a list of the optimized 
parameters. It is noted that parameter optimization in this manner takes into account the differences in capillary pressure 
between each layer, which is not typically accounted for when parameters are determined experimentally in 
homogeneous pressure cells.  In this way we can better understand the interplay between capillarity and heterogeneity.  
The results from these simulations are shown in Figure 5. Case #1 and #2 closely match the accumulation zone in the 
Base Case since these are the simulations for which the capillary pressure parameters were optimized, and Figure 5B 
indicates that ௖ܲ necessarily increased in the fine sand layer in order to reproduce the Base Case accumulation zone. For 
Cases #3, #4, and #5 the accumulation zones are smaller than that observed in the Base Case despite the fact that 
reasonable ௖ܲ  parameters have been determined for each sand layer. These realizations suggest that lower permeability 
media does not necessarily lead to larger accumulation zones and the difference in ௖ܲ between layers appears to be a 
controlling mechanism. However, these simulations require further validation. 
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Fig. 4. The (A) saturation and (B) capillary pressure as a function of depth for heterogeneous sand configurations with different permeabilities but 
the same ௖ܲ parameters. The dotted line represents the location of the coarse-fine sand interface. 
Table 3. Optimized Van Genuchten parameters for the porous media with permeabilities less than those in Table 1.  
݇ (m2) Į (1/m) n 
1e-12 2.2 5.3 
1e-13 0.41 6.5 
 
 
Fig. 5. The (A) saturation and (B) capillary pressure as function of depth for heterogeneous sand configurations with different permeabilities and 
optimized ௖ܲ parameters. The dotted line represents the location of the coarse-fine sand interface. 
3.2. 2-D Tank Simulations 
The 2-D tank simulations in which there is no horizontal background flow are shown in Figure 6 and clearly 
show that the presence of the fine layer causes lateral spreading of CO2 gas. The dashed line in Figure 6 represents 
the critical depth, ݖ௖௥ , associated with the critical pressure given by Eq. (1). Clearly, Eq. (1) still provides accurate 
predictions of the height at which CO2 gas will form in both the homogeneous and heterogeneous 2-D sand 
configurations. This is due to the fact that there is no background flow in these simulations. 
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Fig. 6. Comparison between the CO2 gas plumes in homogeneous and heterogeneous sand configurations in a 2-D tank with no background flow. 
The dashed line represents the predicted height for CO2 gas formation (Eq. (1)). The dotted box shows the location of the fine layer within the 
heterogeneous sand configuration. 
The simulations with background flow are presented in Figure 7. Despite the presence of background flow, Eq. (1) 
still provides an accurate estimation of the depth at which CO2 gas forms in the homogeneous sand. This is likely 
due to the large injection flow rate of 100 ml/min, equivalent to an injection flux of 3.64e-4 m/s, which exceeds the 
Darcy flux in both cases.  In the heterogeneous system, CO2 gas is observed below the line for the critical depth, 
indicating that Eq. (1) no longer holds in this system. This is expected since the presence of the fine layer causes a 
pressure increase due to flow near the injection well, which is not accounted for in Eq. (1). In the homogeneous 
system, lateral spreading of the CO2 gas plume is more pronounced for the higher flow rate (Fig. 7C) than the lower 
flow rate (Fig. 7A) as expected. Interestingly, this is not the case for the heterogeneous system. The dissolved CO2 is 
able to diffuse around the left edge of the fine layer more in the low flow rate simulation (Fig. 7B) than in the high 
flow rate simulation (Fig. 7C), ultimately leading to more CO2 gas phase forming in the region in front of the fine 
layer. 
 
Fig. 7. Comparison between the CO2 gas plumes in homogeneous and heterogeneous sand configurations in a 2-D tank with background flow 
resulting from a pressure gradient of 7.5e-5 and 1.5e-4 MPa, for the top and bottom rows, respectively. The dashed line represents the predicted 
height for CO2 gas formation ( Eq. (1)). The dotted box shows the location of the fine layer within the heterogeneous sand configuration. 
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4. Conclusions 
In this work we conducted 1-D and 2-D simulations of CO2 gas evolution in homogeneous and heterogeneous 
experimental systems. The systems were designed to improve our fundamental understanding of the underlying 
processes that govern CO2 evolution in the event that CO2-saturated water leaks from an underlying formation.  
Based on our optimization procedure in the 1-D simulations, we showed that lower permeability media will not 
necessarily accumulate more CO2 gas under a finer layer. The size of the accumulation zone is not only sensitive to 
the capillary pressure parameters, but also to the difference in capillary pressure between the two media. In the 2-D 
simulations we showed that Eq. (1) still provides useful information when the horizontal background flow is 
negligible compared to the injection flow rate.  In addition, the presence of a fine layer allowed for more spreading 
of dissolved CO2 at lower flow rates, which ultimately allowed for CO2 gas to form in front and above the fine layer. 
In the future, these simulations will be validated with experimental observations and extended to explore a wider 
parameter space. In addition, we are working on extending Eq. (1) to include the effects of horizontal background 
flow on CO2 gas formation. 
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